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the literature for the future oil sands operations in 2030. Likewise, the proposed integrated energy optimizationmodel was used
to determine the 2030 oil sands operations using recent information reported in the literature. The results show that the energy
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Introduction

Canadian oil sands are the third largest crude oil proven
reserves in the world next to Saudi Arabia and Venezuela.1

The oil sands consist of bitumen, a heavy and viscous crude
oil found in the grounds mixed with sand, clay and water.
Bitumen can be diluted with solvents, e.g., naphtha to reduce
its viscosity, and, thus, enable its transportation by pipelines.
Bitumen can be either sold as crude bitumen or raise to a
higher grade into synthetic crude oil (SCO) via integrated
steam assisted gravity drainage and upgrading (SAGD/
upgrading) or mining/upgrading producers through hydro-
cracking or thermocracking processes. These cracking proc-
esses yield a light and sweet SCO. There are two methods to
extract the bitumen from the oil sands: mining extraction
and in situ extraction. Mining extraction is the most tradi-
tional and currently the dominant method for bitumen
extraction. This method is based on traditional pit mining,
which makes use of shovels to mine the oil sands and trucks
to transport the bitumen to the recovering facilities where it
is separated from the sand, clay and water. In situ extraction
is based on steam assisted gravity drainage (SAGD). In this
technology, steam is injected into the underground oil reser-
voir to heat the bitumen trapped in the sand and to promote
its flow toward the surface through pipelines. The mixture of
crude bitumen and condensed steam obtained by this tech-
nology on the surface is pumped to a recovering plant to
separate the water from the crude bitumen.2

Crude oil dominates the world’s energy supply, since its

production is economically attractive when compared to

other alternatives, e.g., wind energy, solar energy, biofuels.

According to the International Energy Agency (IEA),3 and

the US Energy Information Administration (EIA),4 the world

oil demand will reach 120 million barrels daily by 2030; one

quarter of this demand will come from Canada and the

United States.3,4 As the conventional crude oil production

keeps declining, the unconventional crude oil sources, e.g.,

bitumen, are becoming more attractive and considered as

strategic oil reservoirs and potential energy suppliers.

According to information from the EIA,2 Canada supplied to

the US about 1.9 million barrels per day, which represents

22% of all US crude oil imports in 2010.2 Canadian average

daily crude oil production is 2.9 million barrels. Almost 50%

of this production is obtained from unconventional sources

such as oil sands. Moreover, 97% of the Canadian oil

reserves (175.2 billion barrels of oil) are unconventional

deposits.2 The oil sands industry is expected to increase its

crude oil production in the upcoming decades to ensure the

US and the World’s oil supply.

Since oil is expected to remain as the main source of

energy in the world at least for the short term, various oil

sands projects that consider new developments or expansion

of the existing operations have been approved or are already

under construction.5 Also the rebound in oil prices, as a

result of the economic recovery that followed the world’s

economic recession of 2008, has boosted the interest in the

oil sands operation sector. However, there are uncertain fac-

tors related to the future growth of oil sands activities due to

concerns about the availability of energy commodities, i.e.,

power, steam. Furthermore, environmental concerns
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regarding long-term greenhouse gas (GHG) emissions and

water management are key aspects that both the Alberta pro-

vincial government and the Canadian federal government

need to address to sustain the operability of the oil sands in

the upcoming years.
The nuclear industry has significantly enhanced its per-

formance by improving the efficiency of its processes and

the security in the nuclear facilities. According to McColl

et al.6 nuclear reactors use control uranium 235 (U235) fis-

sion, which generates considerable amounts of energy to

heat water and generate steam. The steam can either be used

as an energy commodity, or it can be used to drive turbine-

generators to produce electricity. Also, U235 reactors can

generate a combination of electricity and steam. Nuclear

energy is a key energy source in the Canadian economy. In

2005, nuclear power accounted for almost 11% of the total

power generation capacity in this country. Moreover, accord-

ing to the Canadian Nuclear Association (CNA), there were

22 nuclear reactors in Canada by December 20076; however,

none of them were located in western Canada. Recently, the

Energy Alberta Corp. filed an application with the Canadian

Nuclear Safety Commission to site its first nuclear power

plant near Peace River.7 This energy facility is expected to

have a direct impact on the power supply in the Athabasca

region. According to oil industry members,6 there are small-

scale nuclear energy facilities (NFE), i.e., liquid metal

cooled reactors such as the Toshiba 4S, that can be deployed

to the oil sands to produce SAGD steam by the year 2030.6

Furthermore, nuclear facilities do not generate GHG emis-

sions, which represent a major potential advantage over

other energy producers given the uncertainty surrounding

GHG emission reduction plans and environmental penalties

for the future.
The rapid expansion in the oil sands operations also

presents challenges regarding the conservation of freshwater

resources, i.e., the Athabasca River. On average, 8 to 12 bar-

rels of water are needed to produce one barrel of bitumen

via mining extraction. Most of this freshwater is used in the

hot water extraction process, which is employed to separate

the bitumen from the sand and clay. According to Allen,8

70–85% of the freshwater imported by oil sands mine opera-

tors is recycled to the process. A zero discharge policy

forces the oil sands operators to store the water used in their

processes and tailings on site.8 Tailings ponds are a mixture

of water, clay, sand, and residual bitumen. These ponds

allow the water to be recycled in the mining operations, but

they also generate a large landscaping impact.9 However, the

recycle of water from tailings ponds in the oil sands opera-

tions has significantly reduced the demand for freshwater in

bitumen recovery.
Mathematical programming models for the optimization

of energy markets have been reported in the literature. An
electricity market model that presents the price of electricity
supply as an exogenous variable has been developed, i.e.,
the marginal price of the system is an input parameter for
the optimization problem.10 Accordingly, the market revenue
becomes a linear function of the electricity company’s pro-
duction, which represents the main decision variable in that
energy market optimization model. Common linear program-
ming (LP) and mixed-integer linear programming (MILP)
techniques were used to solve that model.10 However, this
type of optimization models can only be applied to represent

markets under quasi-perfect competition conditions because
it does not account for the company’s decision on the mar-

ket marginal price. Gross and Finlay11 presented a determin-

istic model for optimal bidding strategies in competitive

electricity markets in which the optimization problem can

be decomposed into a set of subproblems corresponding to

the Lagrangian relaxation approach. In that deterministic

model, the difference between the marginal cost of each

electricity generator of a company and the market price

determines the production of each generator. A limitation in

the previous modeling approaches is that the fluctuations or

uncertainty in the electricity prices was not considered in

the analysis. Accordingly, Rajamaran et al.12 developed a

self-commitment optimization model for an electricity gener-

ation company considering uncertainty in the price values.

The model in that study was solved using backward

dynamic programming under different scenarios to show the

capabilities of that modeling approach.12 The energy mar-

kets models described above have been developed to study

the supply and demand in the electricity sector for commer-

cialization. Consequently, those studies have been developed

for particular applications, e.g., local and regional electricity

markets. In contrast to those studies, this optimization model

considers the large-scale operation of the unconventional

Canadian oil industry, which includes the supply and

demands of the energy commodities, e.g., power supply and

demand.
Due to the importance of oil sands activities and their

impact on the world’s oil production, mathematical models
that describe future potential scenarios have been devel-
oped.13,14 These models have been used to determine the
most suitable configuration of commodity producers that
minimize the energy generation costs of the oil sands. The
energy costs in these models were assumed to be dependent
on the energy commodity required by the oil sands pro-
ducers. Also, the commodity demands were assumed to be
fixed since the individual production capacities of each type
of crude bitumen and SCO producer were considered as
inputs to the model. Although nonanalytical studies that dis-
cuss the use of nuclear energy in the oil sands operations are
available,6,15,16 the previous oil sands models did not include
nuclear energy as an alternative resource to produce energy.
Furthermore, water management and its impact on the oil
sands operations has not been explicitly considered in the
previous modeling studies.

This article introduces a new integrated energy model for
the Canadian oil sands operation. The key feature of this
model is that the oil sands producers, the energy commodity
producers, and their corresponding capacities are treated as
decision (optimization) variables. The proposed model also
includes environmental constraints in its formulation, i.e.,
CO2 emission reduction. A key aspect is the inclusion of nu-
clear energy facilities as additional resources to generate
energy to cover the oil producer’s energy demands. Like-
wise, water management is explicitly considered to account
for the use and recycling of water in the oil sands mining
operations. To the authors’ knowledge, the integrated model
proposed in this work is the first that accounts for nuclear
energy, water management and simultaneously solves for the
most suitable oil sands producers and energy commodity
producers’ configuration that minimizes an energy cost func-
tion for the oil sands operations. The oil sands producers
considered in the model are the commercial crude bitumen
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and SCO producers, i.e., SAGD bitumen extraction for com-

mercial bitumen production, and integrated mining/upgrading

and SAGD/upgrading for SCO production, whereas the

energy commodity producers are the power plants, hydrogen

plants, boilers and nuclear facilities that are used to cover

the energy requirements of the oil sands operations. The pro-

posed integrated energy model was validated using data

reported in a previous study by Ordorica-Garcia et al.17

Also, a case study that shows the potential benefits of using

the proposed integrated model with respect to the previous

models is discussed. Furthermore, a future production sce-

nario with and without environmental constraints, i.e., CO2

emissions was simulated with the proposed integrated model

to analyze the effects of environmental constraints on the oil

sands operations.

This article is organized as follows: The Optimization

Model section presents a detailed description of the energy

model developed in this work. The Case Study 2030 section

presents a case study that was solved under four different

scenarios. The scenarios considered were used to validate

this model, to show the potential benefits of using an inte-

grated energy model, to determine the future oil sands opera-

tions and to analyze the effects of environmental constraints

on the future activities of this industry. Conclusions are are

given in the last section.

Optimization Model

This section presents the integrated energy optimization
model. The proposed model includes integrated SAGD/
upgrading and mining/upgrading as SCO producers and
in situ (SAGD) for commercial crude bitumen production.
The energy requirements are supplied by energy commodity
producers. That is, process steam and hot water are supplied
by boilers, SAGD extraction steam is provided by boilers
and small-scale nuclear facilities, electricity is supplied by
conventional fossil fuel and nuclear plants and hydrogen
plants provided the hydrogen for the oil sands operation.
The model also considers the use of process fuel (natural
gas) for hydrocracking and thermocracking in upgrading,
and diesel to fuel trucks and shovels for the oil sand mining
operations. Furthermore, the model considers CO2 capture
and sequestration (underground CO2 sinking) as an environ-
mental constraint. Figure 1 shows a schematic representation
of the integrated energy model proposed to estimate the
energy costs for the oil sands operation. The energy optimi-
zation model shown in Figure 1 can be conceptualized as
follows:

Figure 1. Energy model layout.
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min
g

Cost Function (Cost Function and Optimization Variables section)

s:t: Energy Commodity Producers (Energy Commodity Producers section)

SAGD Commercial Crude Bitmun Production (Commercial Crude Bitumen Production section)

Integrated SDGD/Upgrading SCO production schemes (Integrated SAGD/Upgrading SCO producers section)

Integrated SAGD/Upgrading SCO production schemes (Integrated Mining/Upgrading - SCO producers section)

Production Capacities (Commercial Crude Bitumen Production, Integrated

SAGD and Mining/Upgrading SCO producers sections)

Environmental Constraint (Environmental Restrictions section)

Total Energy Commodity Requirements (Total Energy Commodity Requirements section)

Energy Commodity Supply Constraints (Energy Commodity Supply Constraints section)

where g is the set of decision variables considered in the
model. Each of the modeling aspects included in this formu-
lation are discussed later.

Energy commodity producers

In this study, the commodity producers are included in the
model to supply the energy requirements to maintain the oil
sands operations. The energy commodities considered are
electricity, hydrogen, process steam, hot water, SAGD
extraction steam, process fuel (natural gas) and diesel.

Power Plants. A novel feature included in this model is

the use of nuclear energy to cover the oil sands electricity

requirements. Nuclear energy is a zero carbon footprint technol-

ogy, i.e., it does not produce GHG emissions. This characteristic

makes nuclear energy an attractive technology to reduce carbon
dioxide emissions. Environmental and political organizations in
Canada have requested to pass regulations that will set a carbon
dioxide cap for the oil sands operators.18 Also, a carbon emission
trading system and carbon tax are being considered to control
and penalize those producers that do not meet their GHG emis-
sion quota.19–21 Hence, nuclear energy emerges as an attractive
technology to generate energy for the oil sands industry. Also,
nuclear technology may play an important role in the upcoming
future of Alberta and the oil sands since an application has been
filed to build the first nuclear power plant in the Athabasca
region.7 Thus, the addition of nuclear power in this oil sands
operations’ model represents a feasible operating strategy that
may be present in future oil sand production scenarios.

Electricity is employed in different stages of the oil pro-
ducers, i.e., SAGD extraction, hydrotransport, diluted bitumen
recovery and upgrading (see Commercial Crude Bitumen Pro-
duction, Integrated SAGD and Mining/Upgrading SCO pro-
ducers sections for energy demand details). Besides nuclear
plant models obtained from Thomas,22 the other types of power
plants considered in the optimization model are: integrated gasi-
fication combined cycle (IGCC), based on a study by Ordorica-
Garcia et al.23 natural gas combined cycle (NGCC) modeled
from information reported by Rubin et al.24 supercritical pulver-
ized coal (SCPC),24 and oxyfuel modeled with information
obtained from Davison.25 These types of power plants are con-
sidered with and without CO2 capture technologies except for
the oxyfuel plants that only included the CO2 capture type. The
cost of power production (Pc) is formulated as follows

PC ¼
XP
p¼1

ðGpðNpðNCp þ CNA PNA RAFÞ

þ ð1 � NpÞHpFpÞ þ PpðCp þ OMpÞÞ

Np ¼
1 if power plant p is nuclear

0 otherwise

�
ð1Þ

where the subindex p represents the type of power plant, Gp

(kW) is the power generated in power plants type p, Pp is an
integer variable that defines the number of power plants type p
considered in the analysis, NCp ($/kW/yr) is the cost of nuclear
power, CNA ($) is the total cost of a nuclear accident, PNA
((reactor�yr)�1) is the probability of occurrence of a nuclear
accident, RAF is a factor associated with the individual-risk
perception, Hp (GJ/kW/yr) is the amount of fuel required per
unit of power produced, Fp ($/GJ) is the cost of the fuel used by
the plants, Cp ($/yr) is the amortized capital cost of the plant in
1 year, and OMp ($/yr) is the operating and maintenance cost.

As shown in Eq. 1, this energy optimization model also
includes penalties associated with the production of electricity
through nuclear power technologies. These economic penalties
are the costs related to nuclear fuel waste management (spent
nuclear fuel) and disposal, which is included in the operating
and maintenance (OM) cost of the nuclear power plants (OMp)
in Eq. 1. The nuclear waste management costs, which are
charged to the users, are included in the final generation costs
per unit of power produced ($/kWh) by nuclear power plant.
In most countries, the nuclear waste management costs are col-
lected in a national fund that is used to pay for the costs of
constructing and operating permanent spent fuel repositories.
Models that incorporate environmental, social and political
aspects associated with the use of nuclear technologies for
energy generation are available in the literature. The model
proposed by Eeckhoudt et al.26 incorporates individual-risk
perception into the expected utility to evaluate the external
costs that nuclear fuel imposed on the environment and soci-
ety. Similarly, Margulies27 proposed a risk-optimization mod-
eling approach to determine the location of nuclear power
plants including the induced environmental risks and associ-
ated factors. Moreover, Cowing et al.28 considers the short-
term tradeoffs between safety and productivity inherent to the
operation of nuclear power facilities. A universally accepted
method for the direct final disposal of spent nuclear fuels is
not currently available. In this analysis, the approach proposed
by Eeckhoudt et al.26 has been considered to account for the
nuclear fuel cycle external cost, e.g., environmental and social
impacts due to the use of nuclear energy for power generation,
which are represented by the factors CNA, PNA and RAF in
Eq. 1. These factors represent inputs into this energy model.

Hydrogen Plants. Hydrogen is only used for bitumen
upgrading by the SCO producers (see sections Integrated
SAGD and Mining/Upgrading SCO producers). The hydrogen
plants included in the model are steam methane reforming
(SMR)29–30 and coal gasification31–32 with and without CO2

capture technologies, respectively. The annual cost of hydro-
gen production (Hc) is estimated as follows

HC ¼
XH
h¼1

FDh HFh Fh þ Nh Ch þ OMhð Þð Þ (2)
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where the subindex h represents the type of hydrogen plant,
FDh (Nm3of natural gas/yr or Kg of coal/yr) is the fuel demand
per plant type h, HFh (GJ/Nm3 or GJ/Kg) is the heating value
of the fuel, Fh ($/GJ) is the cost of the fuel used by the plants,
Nh is the integer variable that represents the number of plants,
Ch and OMh ($/yr) are the capital and operating costs of the
plants. The electricity demand of hydrogen plants type SMR
(DPH) is calculated as follows

DPH ¼
XH
h¼1

HShHhEShð Þ

HSh ¼
1 if hydrogen plant h is of type SMR

0 otherwise

� (3)

where Hh (tonne H2/yr) is the amount of hydrogen produced in
the plants, and ESh (Kw�yr/tonne H2) the electricity consump-
tion in the plants. On the other hand, the coal gasification
plants coproduce enough power to cover their own energy
demands and may add power to the electricity grid supply of
the oil sands producers.

Process Steam and Hot Water Boilers. Process steam is
used in the following SCO production stages: conditioning,
diluted bitumen recovery and upgrading. Similarly, hot water
is used in conditioning, hydrotransport and diluted bitumen re-
covery (see sections Integrated SAGD and Mining/Upgrading
SCO producers). Boilers (B) are used to simultaneously pro-
duce process steam (6,300 kPa and 500�C), and hot water
(35–50�C). According to Harrel,33 this model assumes that
the boilers B are fueled with natural gas with an installed
capacity of 2,978,400 tonnes of steam per year. The cost asso-
ciated with process steam (Sc) is estimated as follows

SC ¼ CSB NB FDBHNGFNG þ S WC (4)

where CSB (%) is the percentage of the boiler’s capacity used
for process steam generation (82%33), NB is an integer
variable that represents the number of boilers producing steam,
FDB (Nm3/yr) is the amount of natural gas demanded by the
boilers, B, HNG is the heating value of natural gas (typical
value for western Canadian gas, HNG ¼ 0,038 GJ/Nm3),33 FNG

($/GJ) is the natural gas cost, S (tonne/yr) is the amount of
steam produced by the boilers, and WC ($/tonne) is the cost of
the boilers’ feed water. This model assumes that 18% of the
boiler’s capacity is used for hot water production. The cost
related to produce hot water (HWc) is estimated as follows

HWC ¼ NB FDB 1 � CSBð Þ HNG FNG þ HW WC (5)

where HW (tonne/yr) is the amount of hot water produced by
the boilers.

SAGD Steam Boilers. Boilers that produce SAGD steam
(BE) are used for in situ bitumen extraction (SAGD extrac-
tion) in SCO and commercial crude bitumen production (see
sections Commercial Crude Bitumen Production and Inte-
grated SAGD/Upgrading SCO producers). This type of boiler
uses natural gas as fuel and produces steam with 80% qual-
ity at 8,000 kPa. The installed capacity considered for the
boilers is 2,978,400 tonne per year.33 The production cost of
SAGD steam from boilers (ESBC) is calculated as follows

ESBC ¼ NBE FDBE HNG FNG þ ESBE WC (6)

where NBE is the integer variable that defines the number of
boilers producing SAGD extraction steam, FDBE is the

demand of natural gas in the boilers type BE, and ESBE is
the total amount of SAGD steam produced in the boilers type
BE. As shown in Eqs. 4–6, the annual capital and operating
and maintenance (OM) costs associated with the production of
process steam, hot water and SAGD steam have not been
considered in this analysis. Previous studies14,17 have shown
that the annual capital cost (especially when amortized over
20þyears), and the OM costs for these energy commodities are
not significant when compared to the fuel and the water
consumption costs. Therefore, this energy model neglects the
annual capital and OM costs for these units (boilers), since
they do not significantly contribute to the costs associated with
the production of process steam, hot water and SAGD steam.

Nuclear SAGD Steam Plants

This energy optimization model also includes SAGD
extraction steam generated by small-scale nuclear energy
facilities (NEF) such as the liquid metal cooled reactor Tosh-
iba 4S.6 This reactor model was designed to operate continu-
ously for 30 years and does not need to be refueled during
its operational lifetime. The model considers NEF of 108 GJ
per h, which produces steam at 500�C and 10 MPa. Accord-
ing to a study by McColl et al.6 the quality of the steam gen-
erated from these reactors is sufficient to be used on in situ
extraction activities in the Canadian oil sands.

The cost of steam produced in nuclear facilities (ESNC) is
estimated as follows

ESNC ¼ NN CN þ OMNð Þ þ ESN FN (7)

where NN is the integer variable that specifies the number
of Toshiba’s 4S nuclear facilities producing SAGD steam, CN

($/yr) is the amortized annual capital cost of the facility, OMN

($/yr) is the annual operating and maintenance cost, ESN
(tonne/yr) is the amount of SAGD extraction steam produced,
and FN ($/tonne) is the steam production cost.

Commercial crude bitumen production

Oil sands within 75 m from the surface can be recovered
through mining; otherwise, it needs to be extracted using in
situ methods.1 About 80% (135 billion barrels) of the bitumen
reserves in the Athabasca region require in situ methods to be
recovered. This energy model assumes that in situ extraction
method, i.e., SAGD, is the only method used for commercial
bitumen production. That is, the bitumen obtained by in situ
extraction can be sold directly to the oil market. On the other
hand, the energy model considers that both mining extraction
and in situ extraction, i.e., SAGD; produce crude bitumen that
can be further upgraded to synthetic crude oil (SCO). This is
because the crude bitumen extracted via mining contains rela-
tive high levels of solids and water, i.e., the mined oil sand is
triturated through mechanical methods to reduce the size of
the rocks where the bitumen is trapped in the reservoir. Thus,
mined bitumen has been traditionally upgraded to SCO on site
instead of being sold directly as a commercial product because
the levels of water and solids make it unsuitable for shipping
to conventional refineries.34–35 Consequently, in situ extraction
(SAGD) is the only method considered in this model for com-
mercial bitumen production, since it is currently replacing
mining as the main extraction method. Also, it is expected
that by year 2020 in situ extraction (SAGD) will become the
leading extraction method in the oil sands.1 The energy
requirements involved in crude bitumen production are SAGD
steam and electricity. The demand for steam (DESCB) is calcu-
lated as follows

AIChE Journal November 2012 Vol. 58, No. 11 Published on behalf of the AIChE DOI 10.1002/aic 3437



DESCB ¼ SOR CB (8)

where SOR is the steam to oil ratio parameter. A typical value
assumed for SOR is 2.4 tonne of steam/tonne of bitumen.36

The term CB (tonne/yr) is the crude bitumen production. The
electricity demand (DPCB) is calculated as follows

DPCB ¼ ERCB CB 1 þ ERGPð Þ
qB UC

(9)

where ERCB (3.54e–4 kW�yr/bbl bitumen13) is a parameter that
defines the electricity consumed during the production process
of commercial crude bitumen, ERGP (10%)13 is a parameter
that represents the electricity required to store and handle the
commercial crude bitumen for shipping to the oil refineries for
further processing, qB (1.014 tonne/m3)13 is the bitumen
density, and UC (0.158987 m3/bbl) is a conversion factor.

Integrated SAGD/upgrading SCO producers

The Integrated SAGD/Upgrading producers are becoming
attractive SCO producer methods since most of the bitumen
reservoirs can only be recovered via in situ extraction meth-
ods, e.g., SAGD. This type of SCO producer can be divided
into two stages: in situ bitumen extraction (via SAGD) and
an upgrading stage where the diluted crude bitumen is
upgraded to SCO. This energy model includes three upgrad-
ing routes that are the leading technologies currently
employed in the oil sands37 and are as follows:

Route 1 (R1): LC-Fining (LCF) þ Fluid Coking (FC) þ
Hydrotreatment (H)

Route 2 (R2): LC-Fining (LCF) þ Hydrotreatment (H)
Route 3 (R3): Delayed Coking (DC) þ Hydrotreatment (H)
The term LC-Fining is the commercial name used for the

hydrocracking process developed by the joint venture of
Lummus, an international engineering company, and Chev-
ron, which resulted in Chevron Lummus Global (CLG). As
shown in Table 1, the upgrading routes are combined with a
bitumen extraction method (in situ or surface) to form an
SCO producer. The total production of SCO via Integrated
SAGD/Upgrading (TOSO) is calculated as follows

TOSO ¼
Xj
s¼1

SCOIs (10)

where the subindex s represents the integrated SAGD/
upgrading producers, and SCOIs (bbl SCO/d) is the corre-
sponding SCO production capacity of the sth producer.
Equation 10 allows the model to select the appropriate SCO
producer and its corresponding production capacity. This is a
new feature in energy optimization models for the oil sands
operation since previous modeling studies14,17 assumed that
the SCO production capacity and the SCO producer were
known a priori. This limits the solutions presented by the
previous energy models since a more economically attractive
operation for this industry may be obtained when the SCO
producers, and their corresponding production capacities, are
set as optimization variables as it is considered in this energy
optimization model.

In Situ Bitumen Extraction (SAGD). The energy require-
ments involved in the SAGD bitumen extraction stage for the
integrated SAGD/upgrading producers are the following

DESSO ¼ SOR
Xj
s¼1

BIs (11)

DPSO ¼ ERB

qB UC

Xj
s¼1

BIs (12)

where DESSO and DPSO are the steam and power demands for
SAGD extraction, respectively. The term BIs (tonne/yr) repre-
sents the amount of bitumen considered for SCO production.

Upgrading. The energy demands for the upgrading stage
are a function of the upgrading route followed by each SCO
producer. Figure 2 illustrates the different stages considered
in this model for upgrading. As shown in the figure, the first
step in upgrading consists of recovering the naphtha used to
dilute the crude bitumen for its transportation via pipeline in
the diluent recovery unit (DRU), i.e., the crude bitumen vis-
cosity is too high to be transported via pipeline; thus, diluent
addition is used to facilitate the transport of this heavy oil.
The products from this first step are naphtha, which is
recycled back to the system, light gas oil (LGO), which is
sent to hydrotreatment to remove the nitrogen and sulfur
impurities, and atmospheric topped bitumen (ATB), which
can be transported to the vacuum distillation unit (VDU), or
sent to both the VDU and the LC-finers (R1), or transported
to delayed cokers (R3) (see Figure 2). The cokers are units
where the bitumen is cracked into lighter hydrocarbons using
thermal energy (thermocracking). In the second upgrading
stage, the bottom products from the VDU known as vacuum
topped bitumen (VTB) are mixed with any residual ATB
coming from the DRU and then sent to LC-finers (R1) or to
delayed cokers (R3) (see Figure 2). Likewise, the LGO and
heavy gas oil (HGO) are sent to hydrotreatment. In the LC-
finers, the heavy hydrocarbons are cracked into lighter
hydrocarbons using hydrogen. This model considers two
types of LC-finers: low38–40 (R1) and high41 (R2) conversion.
In the third upgrading stage, the products from the LC-finers,
i.e., naphtha, LGO and HGO are sent to hydrotreatment. The
bottom products of the LC-finers are sent to the fluid coker
(R1). The fluid cokers treat the bottoms proceeding from
upstream units to yield additional light hydrocarbons, i.e.,
LGO, HGO and naphtha (R1).39 In the last upgrading stage,
the upstream products (naphtha, LGO and HGO) are treated
with hydrogen (hydrotreatment38) to remove the sulfur and
nitrogen impurities to yield a light and sweet product, i.e.,
SCO (see Figure 2).

Table 1. Synthetic Crude Oil and Commercial Bitumen
Producers

Producer Stagesa

Integrated Mining/Upgrading
PSS1 Mining ! Hydro ! DBE ! LCF ! FC ! H
PSS2 Mining ! Hydro ! DBE ! LCF ! FC ! H

&Cond%
PSS3 Mining ! Hydro ! DBE ! LCF ! H
PSS4 Mining ! Hydro ! DBE ! DC ! H

Integrated SAGD/Upgrading
PSI1 SAGD ! LCF ! FC ! H
PSI2 SAGD ! LCF ! H
PSI3 SAGD ! DC ! H

Diluted Bitumen
CBP SAGD

aCond ¼ Conditioning, DBE ¼ Diluted Bitumen Extraction, DC ¼ Delayed
Coking, FC ¼ Fluid Coking, H ¼ Hydrotreatment, Hydro¼Hydrotransport,
LCF ¼ LC-Fining, SAGD ¼ Steam Assisted Gravity Drainage.
Note: PSS2 assumed that 25% of the oil sand processed with this producer is
treated using conditioning whereas the remaining 75% goes directly to
hydrotransport.

3438 DOI 10.1002/aic Published on behalf of the AIChE November 2012 Vol. 58, No. 11 AIChE Journal



The specific energy demands per producer are presented next.
Accordingly, the hydrogen requirement for hydrocracking in
producers following route R1 is formulated as follows

DHIC1 ¼ HRLF

qH2

Xj
s¼1

LFs VTBs þ ATBsð Þð Þ

LFs¼
1 if s follows upgrading RouteR1in SAGD=Upgrading

0 otherwise

�
(13)

where DHIC1 is the hydrogen demand in R1, VTBs and ATBs

(tonne/yr) are the VTB and ATB feed streams to the LC-finer,
respectively; HRLF (6,046 ft3 H2/tonne feed39) is a parameter
that defines the hydrogen requirement in producers following
route R1, and qH2 (423,300 ft3/tonne42) is the hydrogen
density. The variable ATBs is calculated as follows

ATBs ¼
Xj
s¼1

LFs BIs 1 þ DRB 1 � DDRUð Þð Þ 1 � LDRUð Þð Þð Þ

(14)
where DRB (0.2278 tonne diluent/tonne bitumen13) represents
the diluents requirement for SAGD bitumen in producers
following route R1, DDRU (%) is the percentage of diluent
recovered in the DRU, whereas LDRU (%) is the LGO yield in
the DRU. Both DDRU and LDRU are inputs to this energy
model. Similarly, VTBS is estimated from as follows

VTBs ¼
Xj
s¼1

LFs ATBs BSVs 1 � LVDU � HVDUð Þð Þð Þ

(15)

where BSVS (%) represents the bitumen split to the VDU in the
SCO producers following route R1, LVDU (%) is the LGO
yield in the VDU and HVDU (%) is the HGO yield in the
VDU. The terms BSVS, LVDU, and HVDU represent inputs
into the model, and, thus, they need to be specified a priori.
The hydrogen demand for hydrocracking in R2 (DHIC2) is
calculated as follows

DHIC2 ¼ HRF

qH2

Xj
s¼1

Ls VTBs þ ATBsð Þð Þ

Ls ¼
1 if s follows upgradingR2 in SAGD=Upgrading

0 otherwise

�
(16)

where HRF (8,464 ft3 H2/tonne feed13) is a parameter that
determines the hydrogen requirement in high-conversion LC-
finers. Since upgrading R3 is based on thermocracking, no
hydrogen is consumed in bitumen cracking for this upgrading
technology. The total hydrogen demand for hydrotreatment
(DHIHYD) in the SAGD/upgrading SCO producers is calcu-
lated as follows

DHIHYD ¼ 1

UC qH2

Xj
s¼1

HRN Ns

ND
þ HRL LGOs

LD
þ HRH HGOs

HD

� �

(17)

where HRN (930 ft3/bbl38), HRL (1,150 ft3/bbl38) and HRH
(1,150 ft3/bbl38) are the hydrogen requirements for the
hydrotreatment of naphtha, LGO and HGO, respectively. Ns,
LGOs and HGOs are the naphtha, LGO and HGO products
entering the hydrotreatment units, respectively. ND, LD and
HD are the average densities of naphtha (ND ¼ 0.744 tonne/
m3),43 LGO (LD ¼ 0.9125 tonne/m3),43 and HGO (HD ¼
0.9713 tonne/m3),43 respectively.

The process steam demand for integrated SAGD/upgrad-
ing SCO producers (DSSO) is estimated as follows

DSSO ¼
Xj
s¼1

�
BIs 1 þ DRð Þ SRD:

þ ATBDs � ATBsð Þ SRV þ ATBFs SRF

LFD

�
ð18Þ

where DR is a parameter that defines the fraction of naphtha
used as diluent, SRD (0.30 tonne steam/tonne feed13) is the
steam requirement in the DRU, ATBDs (tonne/yr) is the ATB

Figure 2. Upgrading routes.13

AIChE Journal November 2012 Vol. 58, No. 11 Published on behalf of the AIChE DOI 10.1002/aic 3439



produced in the DRU, SRV (SRV ¼ 0.07 tonne steam/tonne
feed13) is the steam requirement in the VDU, ATBFs (tonne/yr)
is the ATB entering the fluid coker, SRF (0.051 tonne steam/
bbl feed41) is the steam requirement in the fluid coker, and
LFD is the average feed density (0.1654 tonne/bbl43).

The power demand in the integrated SAGD/upgrading
SCO producers is formulated as follows

DPSO ¼ 1 þ ERGPð Þ
Xj
s¼1

VTBs ERL

LFD
þ ATBFs ERF

FD
þ VTBDs ERD

VD

� �
ð19Þ

where DPSO is the total power demand, ERL (1.88e–3 kW�yr/
bbl44) is the electricity requirement in LC-finers, FD (0.165
tonne/bbl43) is the average fluid coker feed density, ERF
(6.85e–4 kW�yr/bbl44) is the electricity requirement in fluid
coking, VTBDs is the VTB entering the delayed coker (tonne/
yr), ERD (4.45e–4 kW�yr/bbl13) is the electricity requirement
in delayed coking, and VD is the VTB density (0.168 tonne/
bbl43). The process fuel demand (DFSO) for these SCO
producers is estimated as follows

DFSO ¼
Xj
s¼1

VTBs FRL

HNG LFD
þ VTBDs FRD

HNG VD

� �
(20)

where FRL (0.093 GJ/bbl)44 and FRD (0.153 GJ/bbl)44 are the
process fuel requirement in LC-fining and delayed coking,
respectively.

Integrated mining/upgrading—SCO producers

The integrated mining/upgrading SCO producers were the
first schemes employed to extract and upgrade the bitumen
into SCO. It is estimated that around 20% of the bitumen
reserves in the Athabasca region are mineable deposits.1 These
SCO producers consider different stages. The first step
involves mining the bitumen from the oil sand whereas the
remaining stages are used to separate the crude bitumen from
the clay and sand (bitumen recuperation processes) followed
by an upgrading scheme to upgrade the bitumen into SCO.
The upgrading routes considered for this SCO producer are
the same described in the Integrated SAGD/Upgrading SCO
producers section. The energy demands required by these
stages are discussed next. The total production of SCO via
integrated mining/upgrading (TOMO) is calculated as follows

TOMO ¼
Xk
m¼1

SCOSm (21)

where the subindex m represents the integrated mining/
upgrading SCO producers included in the model, and SCOSm
(bbl SCO/d) is the corresponding SCO production capacity by
producer. This equation allows the model to select the
appropriate production capacity and producer for integrated
mining/upgrading, i.e., they are considered as decision
variables in this energy optimization model.

Mining Extraction. This stage consists of mining the oil
sand to recover the crude bitumen trapped in the oil sand
mixture. This process is accomplished through the use of
shovels and trucks. The energy demand in mining is the fuel
consumed by the vehicles. The diesel consumption in the
vehicles (D) is calculated as follows

D ¼ DRS

MCS
þ DRT

MCT

� �Xk
m¼1

MSRm (22)

where MSRm (tonne of oil sand/yr) is the oil sand mining rate
by producer, DRS (L/h) is the average diesel requirement for
the shovels’ fleet, MCS (tonne/h) is the shovels’ mining
capacity, DRT (L/h) is the average diesel requirement for the
trucks’ fleet, and MCT (tonne/h) is the trucks’ capacity. The
cost of the diesel (Dc) is estimated as follows

DC ¼ D DP (23)

where DP ($/L) is the price of the diesel.
Conditioning. In this stage, hot water and process steam

are injected to the mined oil sand to promote the separation
between the crude bitumen molecules and the sand. The hot
water demand (DWCON) in this stage is calculated as follows

DWCON ¼ WRC

Xk
m¼1

LFmSCmMSRmð Þ

LFm ¼
1 if m follows upgrading R1 in Mining=Upgrading

0 otherwise

�

SCm ¼
1 if m follows a producer with conditioning stage

0 otherwise

�
(24)

where WRc (0.333 tonne water/tonne oil sand41) is the
parameter that defines the hot water requirement in the
conditioning stage. Similarly, the steam demand is as follows

DSCON ¼ SRC

Xk
m¼1

LFm SCm MSRmð Þ (25)

where DSCON (tonne/yr) is the process steam demand in
conditioning and SRc (0.036 tonne steam/tonne oil sand41) is
the steam requirement in conditioning.

Hydrotransport. In this stage hot water is added to the
mined oil sand to create slurry that is transported via pipe-
line to the next processing stage (bitumen recovery). The
energy demands in this stage are the hot water and the elec-
tricity required to pump the slurry to the recovery plant. The
hot water demand (DWH) for this process is formulated as
follows

DWH ¼ WRH

Xk
m¼1

MSRm (26)

where WRH (0.30 tonne water/tonne oil sand13) is the hot water
requirement in hydrotransport. The power demand for this
stage is calculated as follows

DPHT ¼
Xk
m¼1

SLm dm PFmð Þ (27)

where DPHT is the power demand in hydrotransport, SLm
(tonne/yr) is the slurry rate, dm (m) is the distance from the
mine to the extraction plant and PFm (Kw�yr/tonne/m) is a
pumping factor that defines the power requirements necessary
to transport the slurry rich in oil to the next stage.

Bitumen Recovery. In this stage, the bitumen is recovered
from the slurry and considers two extraction processes: in
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the primary extraction the bitumen froth proceeding from the
previous two stages is recovered using hot water and steam,
whereas in the secondary extraction the froth is diluted in
naphtha and centrifuged to remove the remaining water and
sand traces from the bitumen. The hot water demand (DWE)
for bitumen recovery is calculated as follows

DWE ¼ WWRE

Xk
m¼1

MSRm (28)

where WWRE (0.41 tonne water/tonne oil sand41) is the wash
water for primary extraction. The steam demand in bitumen
extraction (DSE) is as follows

DSE ¼ SRE

Xk
m¼1

Fm (29)

where SRE (0.04 tonne steam/tonne froth41) is the steam
requirement in bitumen extraction, and Fm (tonne froth/yr) is
the bitumen froth produced in primary extraction. The
electricity demand (DPE) for this stage is calculated as follows

DPE ¼
Xk
m¼1

TPEm þ TSEmð Þ dTm PFTm þ DBCm ERC CSð Þ

(30)

where TPEm and TSEm (tonne/yr) are the tailings produced in
primary and secondary extraction, respectively; dTm (m) is the
distance from the extraction plant to the tailing ponds; PFTm
(kW�yr/tonne/m) is the pumping factor to tailings; DBCm (m3/
yr) is the diluted bitumen entering centrifuges; ERC (kW�yr/
m3) is the electricity requirement for diluted bitumen
centrifugation, and CS is the centrifugation stages in the
model (CS ¼ 213).

Upgrading. In this stage, the bitumen is upgraded to
SCO using three different upgrading routes as described in
the Integrated SAGD/Upgrading SCO producers section
(see Figure 2). Hence, the associated energy demands in
this stage for integrated mining/upgrading SCO producers
are similar to those presented in the previous section.
Accordingly, each individual energy demand for this stage
is presented next. The hydrogen requirement for hydro-
cracking in producers following R1 is estimated as follows

DHMC1 ¼ HRLF

qH2

Xk
m¼1

LFm VTBm þ ATBmð Þð Þ (31)

where DHMC1 is the hydrogen demand in R1, VTBm and ATBm

are the feed VTB and ATB streams to the LC-finer,
respectively. The hydrogen demand for hydrocracking in R2

(DHMC2) is as follows

DHMC2 ¼ HRF

qH2

Xk
m¼1

Lm VTBm þ ATBmð Þð Þ

Lm ¼
1 if m follows upgrading R2 in Mining=Upgrading

0 otherwise

�
(32)

The total hydrogen demand for hydrotreatment (DHMHYD)
in these SCO producers is defined as follows

DHHYD ¼ 1

UC qH2

Xk
m¼1

HRN Nm

ND
þ HRL LGOm

LD
þ HRH HGOm

HD

� �

(33)

where Nm, LGOm and HGOm are the naphtha, LGO and HGO
products entering hydrotreatment. The steam demand (DSMO)
for these SCO producers is calculated as follows

DSMO ¼
Xk
m¼1

�
BIm 1 þ DRð Þ SRDþ ATBDm � ATBmð Þ SRV:

þ ATBFm SRF

LFD

�
ð34Þ

where ATBDm (tonne/yr) is the ATB produced in the DRU and
ATBFm (tonne/yr) is the ATB entering the fluid coker. The
power demand (DPMO) for integrated mining/upgrading
producers is as follows

DPMO ¼
Xk
m¼1

VTBm ERL

LFD
þ ATBFm ERF

FD
þ VTBDm ERD

VD

� �

(35)

where VTBDm (tonne/yr) is the VTB entering the delayed

coker. The process fuel demand (DFMO) for mining/upgrading

producers, and the total cost of the process fuel used in the

entire operation (Fc) are calculated as follows

DFMO ¼
Xk
m¼1

VTBm FRL

HNG LFD
þ VTBDm FRD

HNG VD

� �
(36)

FC ¼ t DFSO þ DFMOð Þ HNG FNG (37)

Water Management. The integrated model presented in
this work includes as key feature the freshwater consumption
and water recycling that are needed to maintain the oil sands
operations. Most of the freshwater used by the mining oil
sand operators is employed to separate the crude bitumen
from the clay and sand, i.e., conditioning, hydrotransport and
bitumen recovery.8 The freshwater is withdrawn from the
Athabasca River under specific environmental restrictions,
e.g., Alberta environment imposes a restriction on the maxi-
mum withdrawal of freshwater (10% of natural flow) in
areas where this liquid is vital for the wellbeing and sustain-
ability of aquatic ecosystems.45 According to Allen,8 the
reduction of the river flow during winter represents a con-
straint for future developments and expansion of the oil
sands, which indicates the necessity to include a plan for the
optimal use of water. Moreover, the oil sands operate under
a zero discharge policy, i.e., the operators has to store all
process water and tailings on site.8 This has led to the crea-
tion of the Athabasca region tailings ponds, i.e., waste mate-
rials from mining oil sands operations. Although significant
improvements have been implemented to make an efficient
use of this valuable natural resource, the recycling of the
tailings ponds water represents a key alternative to reduce
freshwater consumption in the oil sands operation. Recycled
water represents around 70–85% of the water used in bitu-
men recovery processes. For example, Syncrude recycled
16.4 barrels of water per barrel of oil produced in 2004,
whereas an average of 3.1 barrels of freshwater per barrel of
oil produced was used by the three major mining companies
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during the same year.8 In this model, water management was
included in the model as follows

WMO ¼ WREC þWFRESH (38)

WREC ¼ RF ðDWCON þ DSCON þ DWH

þ DWE þ DSE þ DESCB þ DESSOÞ ð39Þ

Sþ HW þ ESBE �WREC � FWR (40)

where WMO (tonne/yr) is the amount of water used in the oil
sands operations, WREC (tonne/yr) is the amount of recycled
water used by the oil producers, WFRESH (tonne/yr) is the
amount of fresh water imported from the Athabasca river, and
FWR (tonne/yr) is the maximum amount of freshwater that can
be withdrawn from the Athabasca River and represents an
input into the model. The amount of fresh water imported in
the operations is proportional to the amount of water loss in
the system, such as tailing ponds. Thus, freshwater is only used
to make up for the water losses in the process. RF (70–85%)8

is a factor that determines the percentage of water recycled in
the system. Furthermore, Eq. 40 accounts for the constraint on
the annual maximum amount of freshwater that can be
withdrawn from the Athabasca River. This amount of fresh-
water is considered in the model based on the average annual
flow of the Athabasca River just downstream of Fort
McMurray. The reference value of the annual river’s natural
flow is considered to be 633 m3/s.46 Typical values for FWR
have been reported in the literature.45

Environmental restrictions

This energy optimization model includes energy commod-
ity producers with and without CO2 capture, which allows
aiming for a specific CO2 emission target in the oil sands
operations. The total carbon dioxide emission (ET) of the
Canadian oil sands operations is calculated as follows

ET ¼
X
i

Ei; i ¼ p; h;B;BE;D;PF½ � (41)

where Ei (tonne CO2/yr) represents the carbon dioxide
emissions from the different energy commodity producers or
emissions generated when certain commodities are consumed,
i.e., natural gas and diesel. The subindex i represents the set of
energy producers and commodities that are used in the oil
sands operations, i.e., power plants (p), hydrogen plants (h),
process steam boilers (B), SAGD steam boilers (BE), diesel
(D) and process fuel (PF).The carbon dioxide emission
constraint included in this model is as follows

ET � CET (42)

where CET (tonne CO2/yr) is the carbon dioxide (CO2)
emission constraint. This parameter is an input to the model,
and it is usually defined in terms of a GHG emission target.

The electricity demands required to transport the CO2 cap-
tured in power plants (DPcc) to the corresponding storage
facilities is calculated as follows

DPCC ¼ L
XP
p¼1

PCpCpPRTp
� �

PCp ¼
1 if power plant p capture CO2

0 otherwise

�
ð43ÞÞ

where Cp (tonne CO2/yr) is the CO2 captured in power plants,
PRTp (kW�yr/tonne CO2/km) is the compression power for
CO2 transport and L is the length of a pipeline used to transport
the CO2 from Fort McMurray to depleted oil fields near
Edmonton, Ontario (L � 600 Km).

The electricity required to transport the CO2 capture from
the hydrogen plants (DPT) is estimated as follows

DPT ¼ L
XH
h¼1

HChChPRThð Þ

HCh ¼
1 if hydrogen plant h capture CO2

0 otherwise

� (44)

where Ch (tonnes CO2/yr) represents the amount of CO2

captured in hydrogen plants and PRTh is the compression
power required for CO2 transportation.

The transportation costs of the CO2 captured in power and
hydrogen plants is formulated as follows

TC ¼ TC L
Xi
h¼1

HChChð Þ þ
Xh
p¼1

PCp Cp

� � !
(45)

where Tc ($/year) is the annual CO2 transportation cost and TC
($/tonne CO2/km) is the unitary CO2 transport cost. The
annual CO2 sequestration cost (STc) is calculated as follows

STC ¼ SC
Xi
h¼1

HCh Chð Þ þ
Xh
p¼1

PCp Cp

� � !
(46)

where SC ($/tonne CO2) is an input parameter that represents
the CO2 sequestration cost.

Total energy commodity requirements

The total energy commodity requirements are represented by
the addition of the individual energy consumptions in every
stage involved in commercial crude bitumen production and
SCO production (see Commercial Crude Bitumen Production,
Integrated SAGD and Mining/Upgrading SCO producers sec-
tions). Accordingly, these requirements are estimated as follows

P ¼
X
e

DPe; e ¼ CC; h; T;CB; SO;HT;E;MO½ � (47)

H ¼
X
f

DHIf þ DHMf ; f ¼ C1;C2;HYD½ � (48)

S ¼
X
l

DSl; l ¼ SO;CON;E;MO½ � (49)

HW ¼
X
r

DWr; r ¼ CON;HT;E½ � (50)

ES ¼
X
t

DESt; t ¼ CB; SO½ � (51)

F ¼
X
u

DFu; u ¼ SO;MO½ � (52)

where P, H, S, HW, ES and F are the total requirements of
power, hydrogen, process steam, hot water, SAGD steam, and
process fuel (natural gas), respectively. The total diesel
demand is obtained from Eq. 22. DPe, DSl, DWr, DESt and
DFu represent the individual demands of power, process
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steam, hot water, SAGD steam, and process fuel, respectively.
Moreover, DHIf and DHMf are the individual demands of
hydrogen for integrated SAGD/upgrading and mining/upgrad-
ing SCO producers, respectively. The subindices e, f, l, r, t and
u represent sets that group the SCO producers, upgrading
routes, production stages, and commodity producers asso-
ciated with the energy commodity requirements for the
production of commercial crude bitumen and SCO, respec-
tively. The subindices are specified by the integrated SAGD/
upgrading SCO producers (SO), the integrated mining/
upgrading producers (MO), the commercial bitumen producer
(CB), the upgrading route R1 (C1), the upgrading route R2

(C2), the conditioning stage (CON), the hydrotransport stage
(HT), the bitumen recovery stage (E), the hydrotreatment stage
(HYD), carbon dioxide capture (CC), carbon dioxide transport
(T), and hydrogen plants (h), respectively.

Energy commodity supply constraints

The total energy commodity requirements in the model must
be satisfied by the energy commodity producers. Consequently,
the following energy constraints that relate the total costs to the
total commodity demands are included in the model

P �
Xh
p¼1

Gp þ
Xi
h¼1

1 � HShð Þ Ghð Þ (53)

where Gh is the power cogenerated by coal gasification
hydrogen plants (kW)

H �
Xi
h¼1

FDh Hh

HEATh

� �
(54)

where HEATh is the heating rate required to produce one tonne
of H2 (MJ/tonne H2) per hydrogen plant type h

ES � ESBE þ ESN (55)

The aforementioned constraint specifies that the total
amount of SAGD steam produced by the boilers and nuclear
plants must be greater or equal than the total demand of
SAGD steam in the oil sands operations.

Cost function and optimization variables

The model’s cost function (cost) represents the annualized
energy supply costs for the oil sands operations. The cost
function is estimated from the costs of individual energy
commodities needed by the SCO and crude bitumen pro-
ducers. Also, the cost function accounts for the associated
environmental costs for CO2 capture and sequestration.
Accordingly, the model’s cost function used in this energy
optimization model is as follows

Cost ¼ PC þ HC þ SC þ HWC þ ESBC

þ ESNC þ FC þ DC þ TC þ STC ð56Þ

where the terms in Eq. 56 represent the following production
and supply costs: Power (Pc), hydrogen (Hc), process steam
(Sc), hot water (HWc), SAGD steam from boilers (ESBC),
SAGD steam from nuclear plants (ESNC), process fuel (Fc),
diesel (Dc), CO2 transport (Tc), and CO2 underground
sequestration (STc). Each of these individual cost functions
has been explicitly defined in the previous sections. The

model’s set of decision variables (g) is as follows

g ¼ Pp;Nh;NB;NBE;NN ;EPC;PSIs; SCOIs;PSSm; SCOSm
� �

(57)

where Pp is the number of power plants, Nh the number of
hydrogen plants, NB the number of boilers producing process
steam and hot water, NBE the number of boilers producing
SAGD steam, NN the number of Toshiba’s 4S nuclear facilities
producing SAGD steam, EPC the energy commodity produ-
cers’ operating conditions, PSIs represents the integrated
SAGD/upgrading SCO producers, SCOIs is the SCO produc-
tion capacity by SAGD/upgrading producer, PSSm represents
the integrated mining/upgrading SCO producers, and SCOSm
is the SCO production capacity by mining/upgrading producer.

The optimization model presented in this work searches

for the commodity energy producers, commercial crude bitu-

men production and SCO producers that minimize the total

annual operating cost of the oil sands under a CO2 emission

constraint. The resulting optimization model is a mixed inte-

ger nonlinear program (MINLP) that was implemented in

GAMS. To simplify the model’s complexity, the nonlinear-

ities that result from the multiplication of a binary variable

with a continuous variable were linearized applying the

exact linearization scheme described by Torres48 and Oral

and Kettani.49 To illustrate the linearization scheme (Eq. 3),

which includes a nonlinear term due to the multiplication of

the binary variable HSh, with the continuous variable Hh,

(see Eq. 3) is linearized as follows48–49

DPH ¼
XH
h¼1

kh EShð Þ (58)

where the variable kh is defined as follows

kh ¼ HSh Hh (59)

Note that kh is just a definition, i.e., it is not formally
implemented in the optimization formulation. Also, two con-
straints are added in the formulation, i.e.

0 � kh � Hh (60)

Hh � Hh
max 1 � HShð Þ � kh � Hh

max HSh (61)

where Hmax
h (tonne H2/yr) is the maximum installation capacity

for the hydrogen plants. The remaining equations that contain
nonlinear terms in the binary variable were linearized in the
same fashion and are not shown here for brevity.

Although several solvers are available in the GAMS plat-
form to solve MINLP optimization problems, e.g., Baron,
Coinbonmin, Coincouenne, Dicopt, Emp, this energy model
formulation was solved using Dicopt.50 This MINLP solver
was used because is based on the extensions of the outer-
approximation algorithm for the equality relaxation strat-
egy51 that only requires a user-supplied starting point for the
nonlinear subproblem (NLP). Therefore, Dicopt is more flex-
ible when compared to others MINLP solvers in GAMS,
e.g., Baron requires a feasible user-supplied starting point.
Also, according to a study that compares high-performance
MINLP solvers, Dicopt is ranked as one of the most compu-
tationally efficient MINLP optimization solvers,52 i.e.,
Dicopt and Baron required an averaged CPU time of 1.4 and
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5.8 min to solve 250 benchmarks MINLP problems, respec-
tively. Moreover, studies have shown that, on average, the
outer-approximation algorithm lead to savings in computa-
tional time of approximately 40 and 74% with respect to
generalized Benders and branch and bound (e.g., Baron),51,53

respectively. Furthermore, the linearization scheme presented
earlier increase the efficiency of the MINLP solver imple-
mented in the energy model since Dicopt was especially
developed to handle programming problems that are linear
in the binary variables.48,53

The MINLP algorithm implemented by Dicopt performs a
series of nonlinear (NLP) optimization subproblems and
mixed integer (MIP) subproblems that can be solved using
any nonlinear (NLP) or mixed integer program (MIP) solver
that works under the GAMS system. For this work, MINOS
was used as the NLP solver, whereas CPLEX was used to
solve the MIP subproblems. These are two of the most com-

mon solvers used by default to handle the NLP and MIP
subproblems when implementing Dicopt as MINLP
solver.47,51 This comprehensive model can be used for plan-
ning and scheduling of the future operations of the oil sands
under different scenarios, e.g., nuclear facilities for power
and SAGD steam production, water management and carbon
dioxide emission restrictions.

Case Study 2030

The integrated energy model presented in the previous
section was used to determine the oil sands production for
year 2030 under different scenarios. This year was selected
because a study that reports the expected oil sand producers
and their corresponding production capacities, the energy
commodity requirements, the energy commodity producers’
configuration, and the unitary energy costs of SCO and com-
mercial bitumen production is available in the literature.17

The information presented in that study was used to validate
the energy model presented in the previous section. Like-
wise, the results presented by that study, obtained for fixed
SCO producers and capacities, were compared to those
obtained by this model, where the SCO producers and
capacities are considered as optimization variables. These
two scenarios, where the inputs to the model were obtained
from a previous simulation study17 are referred to from
thereafter as the Reference Case 2030.

Similarly, a recent report by McColl et al.54 has provided
with new estimates for the oil production and fuel costs fore-
cast for 2030. These new estimates have been used in this
study to provide a more realistic scenario for the oil Sands
operation. Additionally, the oil producers and energy com-
modities configurations for 2030 were determined with and
without a CO2 emission constraint. These two scenarios,
where the new SCO and crude bitumen production estimates
are used in the model, are referred to from thereafter as the
Updated Case 2030. The key economic parameters for the
energy model are shown in Table 2.17

Table 2. Key Economic Parameters for the Model

Parametersa Units Value

Boiler feed water cost $/tonne 1.5
Natural gas cost $/GJ 12.0
Coal cost $/GJ 3.0
Diesel cost $/l 1.5
CO2 transport cost ($)(100 Km)/tonne CO2 1.40
CO2 injection cost $/tonne CO2 8.0
Natural gas heating value MJ/Nm3 38.05
Coal heating value MJ/Kg 24.05
Heat for process steam (B) MJ/tonne steam 3,415
Heat for SAGD steam (BE) MJ/tonne steam 2,469
Nuclear Facilities for

SAGD steam (NFE)
tonne steam/h 41.55

Boiler capacity tonne steam/h 340
Annual operating hours h/yr 8,760
Boiler’s capacity for process steam % 0.82

aB ¼ Natural gas boilers for process steam at 6,300 kPa and 500�C, BE ¼
Natural gas boilers for SAGD steam at 80% quality and 8,000 kPa.
NFE ¼ Nuclear facilities for producing SAGD steam at 500�C and 10 MPa.

Table 3. Energy Commodity Producers

Energy producera Source

Boilers
NG-at 6,300 kPa and 500 �C steam-w/o CO2 capture (B) (Harrel, 2002)
NG-80% steam at 8,000 kPa-w/o CO2 capture (BE) (Harrel, 2002)
Nuclear Energy Facility (SAGD steam)
Toshiba 4S Nuclear Plant (NFE) (McColl et al., 2008)

Power plants
NGCC w/o CO2 capture (E1) (Rubin, Rao& Chen, 2004)
Supercritical coal w/o CO2 capture (E2) (Rubin, Rao& Chen, 2004)
IGCC w/o CO2 capture (E3) (Ordorica, Douglas, Croiset & Zheng, 2006)
IGCC with 88% CO2 capture via Selexol (E4) (Ordorica, Douglas, Croiset & Zheng, 2006)
IGCC with 88% CO2 þ H2S co-capture via Selexol (E5) (Ordorica, Douglas, Croiset & Zheng, 2006)
NGCC with 90% CO2 capture via MEA (E6) (Rubin, Rao & Chen, 2004)
Supercritical coal with 90% CO2 capture via MEA (E7) (Rubin, Rao & Chen, 2004)
NG Oxyfuel with CO2 capture (E8) (Davison, 2007)
Coal Oxyfuel with CO2 capture (E9) (Davison, 2007)
Nuclear Plant ACR-700 (E10) (Thomas, S, 2005)
Nuclear Plant EPR-1600 (E11) (Thomas, S, 2005)
Nuclear Plant ACR-1000 (E12) (Thomas, S, 2005)

Hydrogen plants
SMR w/o CO2 capture (HG1) (Simbeck& Chang, 2002); (Simbeck, 2004)
SMR with 90% CO2 capture via MEA (HG2) (Simbeck& Chang, 2002); (Simbeck, 2004)
Coal gasification w/o CO2 capture (HG3) (Chiesa et al., 2005); (Kreutz et al., 2005)
Coal gasification with 90% CO2 capture via Selexol (HG4) (Chiesa et al., 2005); (Kreutz et al., 2005)
Coal gasification with 90% CO2 þ H2S co-capture via Selexol (HG5) (Chiesa et al., 2005); (Kreutz et al., 2005)

aNG ¼ Natural Gas, NGCC ¼ Natural Gas Combined Cycle power plants, IGCC ¼ Integrated Gasification Combined Cycle power plants, SMR ¼ Steam Meth-
ane Reforming hydrogen plants, MEA ¼ Mono-ethanolamine.
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Reference case 2030: model validation

The data available in the literature for the year 203017

was initially used to validate the energy optimization model
presented in this work. Table 3 shows the energy commodity
producers used for the model validation, i.e., power plants
(E1-E9), hydrogen plants (HG1-HG5), process steam (B) and
SAGD steam (BE) boilers. Accordingly, the number of
power and hydrogen plants were set to 9 (P ¼ 9), and to 5
(H ¼ 5), respectively. Additionally, Table 4 shows the key
characteristics of the energy commodity producers and Table
5 shows a summary of the energy commodities consumed in
each processing stage of the oil producers. The model vali-
dation did not include nuclear plants or water management
because they were not considered in the previous study.17

However, these two key aspects of the future oil sands oper-
ations have been considered in the Updated Case 2030 sce-
nario (see the Updated Case 1-2030 and Updated Case 2-
2030 sections). The number of units available in the model
per type of commodity producer was considered to be
approximately four times of that required to supply the oil
sands energy demands in 2003.14

The optimization model was validated assuming that the
SCO producers and their production capacities were fixed to
constant values. Therefore, the SCO producers (see Table 1,
PSI1-PSI3 and PSS1-PSS4) and their corresponding produc-
tion capacities (see Eqs. 10 and 21, SCOI1-SCOI3 and
SCOS1-SCOS4) for the integrated SAGD and mining/upgrad-
ing SCO productions were considered as inputs into the
model for the model validation step. Consequently, the num-

ber of SAGD/upgrading SCO producers S was set to 3,
whereas the number of mining/upgrading producers M was
set to 4. Also, the commercial crude bitumen production was
considered to be obtained by SAGD extraction for the model
validation (see Table 1, CBP). The CO2 emission was
included as an input according to information reported in a
previous study.17 Furthermore, the model validation consid-
ered that natural gas is the only process fuel included in the
analysis.

Since the oil producers and their corresponding capacities
are assumed to be inputs to the model, the energy commod-
ity requirements for the SCO and commercial bitumen pro-
ducers were calculated by the model and remained fixed dur-
ing the energy model’s execution. The validation step con-
sists of searching for the most suitable commodity
producers’ configuration (and their corresponding capacities)
that meets the SCO and commercial bitumen’s energy com-
modity requirements at minimum cost. This optimization
model approach where the SCO producers are treated as
inputs will be referred to in this work as the sequential
approach. It should be noticed that the model presented in
the Optimization Model section represents an integrated
energy model because it considers the SCO producers and
their production capacities as optimization variables. Thus,
the integrated model offers the potential to find a more eco-
nomically attractive scenario for the oil sands operations.
However, in this scenario, the integrated model has been
simplified to the sequential approach only for comparison

Table 4. Energy Producers Modeling Factors

Energy
Producer

Installed
Capacity

Capital
Cost

Economic
Factor for

O&M Costs Fuel Rate

Boilers (tonne/h) ($/kW) (% Capital
cost)

(MJ/tonne)

B 340 —NS —NS 3,415
BE 340 —NS —NS 2,470
Nuclear SAGD

steam plant
(MWh) ($/MWh) ($/MWh) (MWh/kg)

NFE 30 930,000 0.558 360
Power plants (kW) ($/kW) (% Capital

cost)
(MJ/kWh)

E1 507,000 570 0.018 7.17
E2 524,000 1,230 0.038 9.16
E3 539,000 1,760 0.026 8.76
E4 448,000 2,400 0.025 11.06
E5 513,000 1,890 0.026 10.17
E6 432,000 930 0.037 8.41
E7 492,000 1,980 0.049 12.04
E8 440,000 1,250 0.086 7.70
E9 532,000 1,950 0.076 9.72
Nuclear

Power plants
(MWh) ($/kW) ($/kWh) (MWh/kg)

E10 1,406 2,056 0.0094 360
E11 1,500 2,480 0.000465 360
E12 2,170 2,657 0.000465 360
Hydrogen plants (tonne/h) (MM$)(h)/

tonneH2

(% Capital
cost)

(MJ/tonneH2)

HP1 6.25 11,13 0.060 174,900
HP2 6.25 17,76 0.060 204,200
HP3 32.09 23,78 0.036 209,000
HP4 32.09 25,07 0.036 209,000
HP5 32.09 23,4 0.036 209,000

NSthe capital costs of the boilers (B and BE) do not significantly contribute
to the costs associated with the production of process steam, hot water and
SAGD steam.
Note: HP3, HP4 cogenerate 2,240 and 1,210 kWh/tonne H2, respectively.

Table 5. Oil Producers Commodity Consumption
Characteristics

Oil

Producer

Processing Stages

Extraction

Method Conditioning Hydrotreatment

Diluted

Bitumen

Extraction Upgrading

PSS1 Mining �HW �HW �HW �H
�S �S

�
D �S �P �P �P

�PF
PSS2 Mining �HW �HW �H

—NI �S �S
�D �P �P �P

�PF
PSS3 Mining �HW �HW �H

—NI �S �S
�D �P �P �P

�PF
PSS4 Mining �HW �HW �H

—NI �S �S
�D �P �P �P

�PF
PSI1 SAGD �H

�ES —NI —NI —NI �S
�P �P

�PF
PSI2 SAGD �H

—NI —NI —NI �S
�ES �P
�P �PF

PSI3 SAGD �H
—NI —NI —NI �S

�ES �P
�P �PF

CBP SAGD

—NI —NI —NI —NI

�ES
�P

NIThe processing stage is not included in the corresponding oil producer.
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purposes with the information reported in the literature.17

The proposed energy model consists of 906 continuous vari-
ables and 27 integer variables. The integer variables consist
of the types of energy producers and oil producers consid-
ered in the model.

The results obtained with the sequential approach for 2030
are shown in Table 6. As shown in this table, the energy
commodity requirements, energy producers’ configuration
and energy supply cost per barrel of SCO and commercial
bitumen production are in reasonable agreement with those
reported in a previous study.17 Therefore, the energy model
proposed in this work describes the essential aspects of the
oil sands operations reported in the literature. Accordingly,
the energy model shown in the Optimization Model section
can be used to determine future energy production costs and
study possible upcoming scenarios for the oil sands opera-
tions.

Reference Case 2030: Integrated approach

The objective of this scenario is to show the potential
(economic) benefits that can be obtained when the integrated

energy model is applied to determine simultaneously the
most suitable oil producers and the energy producers’ infra-
structure for the future operation of the oil sands. Accord-
ingly, the reference case 2030 was redone assuming that the
total SCO and commercial bitumen production are the only
inputs provided to the energy optimization model. That is,
the integrated model will search for both the set of SCO pro-
ducers and energy commodity producers (and their corre-
sponding capacities) that will meet the oil sands producers’
energy requirements at the lowest energy cost. Thus, the
integrated model approach expands the optimization algo-
rithm’s search space to consider attractive oil producers and
energy commodity configurations that may result in more ec-
onomical scenarios than those obtained by the sequential
model approach. For comparison purposes, this scenario was
solved under a CO2 constraint equal to that considered in the
model validation.17 In this integrated approach, the SCO pro-
ducers were limited to have a minimum production capacity
(150,000 bbl/d each one). This was done to represent the
production scenario expected for 2030, where the majority
of the current technologies employed to produce SCO
will still be in use. Likewise, the SCO and commercial bitu-
men producers as well as the commodity producers consid-
ered in this scenario were the same to those used in the
model validation.

Table 6 shows a summary of the results obtained for this
integrated scenario. As shown in the table, the integrated
approach returned a cost that is 1,768 MM $/year (�5%)
lower than the cost obtained with the sequential approach.
Thus, the integrated strategy implemented by this energy opti-
mization model returns a more economically attractive solu-
tion than that obtained with the sequential approach. Table 6
also shows that the integrated approach returns average uni-
tary energy costs of SCO per type of producer that are 1.81%
(mined SCO) and 7.31% (SAGD SCO) less expensive than
those obtained by the sequential method, respectively. The av-
erage unitary cost of the commercial crude bitumen remained
unchanged because both the integrated and the sequential
approach considered SAGD extraction as the only production
method for commercial crude bitumen. Figure 3 shows the
SCO producers’ distribution specified by the sequential
approach and the integrated approach, respectively. As shown
in this figure, PSS1 and PSI2 are the two preferred producers

Table 6. Results for the Reference Case 2030

Variables Units
Ordorica-

Garcia et al17

Reference
Case 2030

(Sequential)

Reference
Case 2030
(Integrated)

Energy Demands
Power MWh 3,220 3,307 2,566
Process Steam tonne/h 17,296 17,312 18,679
SAGD Steam tonne/h 49,703 49,001 42,048
Hot Water tonne/h 100,655 102,360 110,490
Diesel l/h 153,934 156,550 169,240
Hydrogen tonne/h 609 610 607.4
Process fuel (NG) GJ/h 10,204 10,362 6,104

Energy Producers
E1 Units 0 0 1
E2 Units 5 5 3
HG1 Units 1 1 0
HG3 Units 8 8 10
HG4 Units 14 14 13

Unit Energy Costs
SAGD SCO $/bbl 21.9 22.67 22.26
Mined SCO $/bbl 20.2 20.92 19.39
SAGD Bitumen $/bbl 10.0 9.97 9.96

Total Energy Cost MM$/yr – 35,455.63 33,687.31

Figure 3. Comparison of SCO producers between the reference case 2030 (sequential approach), and reference
case 2030 (integrated approach).
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selected by the integrated approach since they contribute with
approximately 45 and 32% of the total SCO production, respec-
tively. This result suggests that SCO producers that consider
hydrocracking (LC-fining) are regarded as the most suitable
producers to be selected by this energy optimization model.

PSI2 (see Table 1 and Figure 3) was selected as the most
suitable integrated SAGD/upgrading SCO producer because
it is based on hydrocracking (Route R2), which has the high-
est conversion between these types of SCO producers. Also,
hydrocracking processes usually yield higher SCO conver-
sion than thermocracking processes.55 Hydrocracking is a
process wherein heavy oil feedstock is cracked in the pres-
ence of hydrogen. On the other hand, thermocracking is a
process where the heavy oil is cracked under high-tempera-
ture conditions using natural gas as fuel (in this model).
Hydrogen production is one of the least expensive processes
included in this energy model because it can be produced
using coal gasification plants, which uses coal as feedstock
to produce hydrogen. Coal is an economic fuel, i.e., the price
of coal is 4 times less costly than the cost of natural gas in
the reference case 2030 (see Table 2). Also, the coal gasifi-
cation hydrogen plants considered in the model cogenerate
power, which makes the production of hydrogen via gasifica-
tion more economically attractive but also more efficient.
Cogeneration is currently considered in the Oil Sands as a
suitable technology to optimize energy production by using
the output of one process, i.e., hydrogen generation, to drive
turbines that provide power. PSI1 is the second preferred
SAGD/Upgrading producer in the optimization model
because it also uses hydrocracking as part of its upgrading
route (R1). PSI3 is the least favored of these types of pro-
ducers because it is based on thermocracking which is a pro-
cess that uses intensively natural gas (NG), an expensive
process fuel, to crack the heavy bitumen.

On the other hand, PSS1 (see Table 1 and Figure 3) was
selected as the main integrated mining/upgrading SCO pro-
ducer by the integrated energy model. Although PSS2 is also
based on the same upgrading route (R1), this was not
selected as an important SCO producer because it includes
in the bitumen recuperation process an extra stage when
compared to PSS1. This additional stage is conditioning,
which treats 25% of the total bitumen being processed by
this SCO producer before it is sent to the hydrotransport pro-

cess. The remaining 75% of the bitumen is directly sent to
hydrotransport (see Table 1 and Figure 3). Conditioning implies
extra commodity requirements, i.e., hot water and process
steam. These factors have motivated the selection of PSS1 over
PSS2 in this energy model. Accordingly, the production capacity
of PSS2 remains close to the minimum allowed capacity. The
producer PSS4 was also selected to remain close to its minimum
capacity because it is based on thermocracking as upgrading
route (R3). This route considers delayed coking, which relies on
process fuel to generate heat and crack the heavy oil into lighter
oil compounds. Thus, PSS4 requires almost nine times more
process fuel than that needed by PSS1. PSS3 was selected as the
second SCO producer in the integrated mining/upgrading pro-
ducers because it is based on hydrocracking, which uses hydro-
gen that can be produced at low cost using coal gasification.
However, PSS3 only produces 4.75% of the total SCO because
it demands process fuel in a proportion of 4:1 when compared
to PSS1. Also, the distance to the bitumen extraction plant was
considered to be 6 times larger in PSS3 than in PSS1. Thus, the
electricity requirements to pump the slurry to the extraction
plant are also higher for PSS3 than for PSS1.

Figure 3 shows that the majority of SCO is produced by
PSS1. This result is consistent with information reported in
the literature that suggests that mining bitumen extraction
has been historically less expensive than SAGD extrac-
tion.56–57 Therefore, the integrated mining/upgrading SCO
producers are expected to be less expensive than integrated
SAGD/upgrading producers. The trend is likely to hold
given that SAGD extraction is a thermal extraction method
which requires large amounts of steam; traditionally in a ra-
tio of 2.4–3 tonnes of steam per tonne of bitumen for most
producers.36 However, it is estimated that about 80% of the
bitumen deposits in the Athabasca region need in situ
extraction methods to be recovered.1,54 Therefore, SAGD
extraction will play an important role in the future operation
of the oil sands because it is projected to become the leading
bitumen extraction method in the short-term future.

As shown in Figure 4, the major commodity cost reduc-
tions as a result of using the integrated approach in compari-
son with the sequential approach are those associated with
the production of SAGD steam (1,552 MM $/yr), power
(467 MM $/yr), and process fuel (448 MM $/yr). The elec-
tricity demands in the integrated approach are mainly

Figure 4. Comparison of the energy costs between the reference case 2030 (sequential approach), and reference
case 2030 (integrated approach).
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covered by coal power plants without CO2 capture (E2). The

cost distribution shown in Figure 4 indicates that for the

integrated approach, hydrogen production is the most signifi-

cant energy cost closely followed by the costs of SAGD

steam generation and process steam generation, respectively.

SAGD steam represents the most important energy commod-

ity employed for commercial bitumen production and it is

also extensively used in SAGD SCO production (PSI2).

Moreover, process steam is highly used in the oil sands

operations because it is extensively employed in integrated

mining/upgrading (PSS1), i.e., hydrotransport, bitumen recov-

ery and upgrading stages. The integrated energy optimization

model focuses on reducing the amount of SAGD steam

employed in the operations because this is produced via nat-

ural gas boilers, which is one of the most expensive proc-

esses considered in this energy model.

Updated case 1-2030: Scenario without CO2 constraints

The two scenarios considered in the previous sections
used the reference case 2030 data reported in a previous
study.17 The reference case 2030 data was useful because it
has sufficient information to validate this energy model and
to show the potential benefits of using an integrated energy
modeling approach like that used in this energy optimization
formulation. However, the Canadian Energy Research Insti-
tute (CERI) has recently reported new estimates for the 2030
oil sands production54 that are significantly different from
those reported for the reference case 2030.17 Also, the study
from where the reference case 2030 data was obtained did
not consider nuclear energy as an alternative energy com-
modity producer and water management in the formulation.

On the aforementioned basis, the integrated energy model
presented in this work is applied to determine the most suita-
ble oil producers and energy commodities configuration that
returns the lowest energy cost using the new estimates for
the 2030 oil sands operations. This scenario is referred to as
the updated case 2030. Also, nuclear energy plants and the
use of water recycling in the operations are explicitly
included in the updated case 2030 scenario. To the author’s
knowledge, this is the first study that includes nuclear energy
and water management in an energy model for oil sands
operations. Accordingly, the number of power producers P
in this case study was set to 12 which include nuclear power
plants (see Table 3 and 4, E1-E12). The number of nuclear
power plants included in the model is 2 per nuclear technol-
ogy, i.e., there are three types of nuclear plants considered
in the model. Likewise, the number of hydrogen plants H
was set to 5; the number of SAGD/Upgrading SCO pro-
ducers S was set to 3, and the number of mining/upgrading
producers M set to 4. Moreover, SAGD steam production
via nuclear energy facility is also available in this scenario
(see Table 3, NFE). The number of SAGD steam nuclear
plants considered in the model is 50. Process steam boilers
(B), and SAGD steam boilers (BE), are also included in this
scenario. The percentage of diluent recovered in the DRU
DDRU was set to 98%, the LGO yield in the DRU LDRU
was set to 12%, the LGO yield in the VDU LVDU was set
to 7%, the HGO yield in the VDU HVDU was set to 26%,
and the factor RAF was set to zero (0) (no individual-risk
perception). The restriction on the withdrawal of freshwater
from the Athabasca River FWR was considered to be
1.996e9 tonne/yr. The fuels’ cost for this case study were

updated according to the new estimates for the year 2030,
i.e., natural gas ¼ 11.06 $/GJ54 and coal ¼ 1.96 $/GJ.58

In this scenario, the CO2 emission constraint (39), and the
economic terms in the model’s objective function related to
this process were neglected, i.e., carbon dioxide transport
cost (Tc), and underground sequestration cost (STc). The
minimum expected capacities per type of producer in the oil
sands for 2030, i.e., SCOI1–SCOI3 and SCOS1–SCOS4, were
defined in the model according to estimates reported in the
literature.5,59–63 The new 2030 estimates expected for the
total SCO production via integrated SAGD/upgrading and
mining/upgrading and the commercial bitumen production
(CBP) are5: 1 MM, 1.8 MM and 1.5 MM bbl/d, respectively.

The results obtained by the integrated energy model for

this scenario are shown in Table 7. As shown in this table, the

producers that include upgrading technologies considering

hydrocracking as partial or complete cracking method (R1 and

R2) are preferred over those that do not consider this method,

e.g., R3 (delayed coking). This is because hydrogen production

is one of the most economically attractive processes in the

model since coal gasification is available in the model. This

technology uses coal as feedstock to generate hydrogen, which

is 5.6 times less expensive than natural gas for this scenario.

Natural gas is intensively used in thermocracking based pro-

ducers (R3). Thus, for integrated mining/upgrading producers,

PSS1 remains as the most suitable SCO producer since it

includes mining extraction, which is more economical than

SAGD extraction,56–57 and hydrocracking (R1), respectively.

As in the previous scenario, PSS1 remains as the main SCO oil

producer for the year 2030. Thus, it is expected that this tech-

nology will be the dominant SCO production technology in

the upcoming years. Accordingly, efforts must be made to

enhance the efficiency of this process to make it more attrac-

tive. On the other hand, PSS2 is one of the oldest, less energy

efficient and expensive producers used in the oil sands indus-

try. This is because it includes an extra processing stage, con-

ditioning, which is a poor energy efficient process when com-

pared to the rest of the integrated mining/upgrading producers.

The new report on the oil sands operations does not foresee

the use of this technology in the future. Accordingly, this

energy model did not select PSS2 to produce SCO.

PSS4 is the second most important Mined SCO producer
selected by the energy model. The selection of PSS4 agrees
with recent reports that show that this technology will be
one of the dominant producers in the future.5,59–63 PSS3 is
regarded as the minor SCO producer selected in this scenario
according to the information considered in this work. The
production level of PSS3 remains at the minimum allowed
capacity (see Table 7). As in the previous scenario, PSI2
remains as the leading integrated SAGD/upgrading producer.
This is because it includes one of the highest crude bitumen
to SCO conversion processes considered in this energy
model. Also, this technology is based on hydrocracking as
an upgrading route (R2). PSI2 did not reach a higher produc-
tion capacity in this scenario because less SCO will be pro-
duced via integrated SAGD/upgrading than with the mining/
upgrading producers. This is according to information pro-
vided in the literature54 and considering that the commercial
crude bitumen is produced only via SAGD extraction in the
model. Although SAGD is expected to dominate over Min-
ing extraction in the upcoming future,1,54 a large proportion
of the crude bitumen produced via SAGD in 2030 is
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expected to be sold directly as commercial crude bitumen
instead of SCO. Moreover, the crude bitumen produced via
mining contains significant amounts of water and solids.
Thus, the current energy model considers that the bitumen
obtained from mining will be upgraded to SCO before its
commercialization as indicated in the literature.34 Following
Table 7, PSI1 is one of the least favored SCO producers
since its SCO conversion is lower than the conversion con-
sidered for PSI2. Therefore, the production capacity of this
producer remains at its minimum value. Likewise, PSI3 is
also one of the least favored producers because it considers
the lowest conversion among the SAGD SCO producers and
it employs thermocracking (R3) as an upgrading technology.

According to McColl et al.54 the greenhouse gas (GHG)
emissions are expected to rise to 130 million tonnes of CO2

equivalent by 2030 if carbon capture technologies are not
included in the oil sands operations. The GHG emissions
obtained by the energy model are in the order of 132 million
tonnes of CO2 equivalent which is in reasonable agreement
with the report.54 Therefore, the energy model presented in
this work accurately models the expected GHG emissions
for the oil sands industry. Water management reduces the
amount of fresh water required to maintain the oil sands
operations, i.e., most of the water used by this industry is
recycled water. Accordingly, the results show that the fresh-
water consumption constraint is not active at the solution
point for the updated case studies 2030. This is because the
amount of steam (S), hot water (HW) and SAGD steam
(ESBE) required for the oil sands operation can be satisfied
using recycling water from other processes and a volume of
freshwater that is below the maximum amount of freshwater
that is allowed to be withdrawn from the Athabasca River.
For example, for this scenario, 12% of the maximum
allowed freshwater withdrawal is needed to satisfy the
steam, hot water and SAGD steam demands for the oil sands

operations. As shown in Table 7, SAGD steam represents one
third of the annual energy operation cost. SAGD steam is the
main commodity used for in situ extraction for both commer-
cial bitumen and SCO production. Therefore, high costs asso-
ciated with SAGD steam generation are expected for this sce-
nario. Hydrogen represents the second highest commodity
cost since hydrocracking upgrading routes (R1-R2) are
involved in the production of over 75% of the total SCO. The
hydrogen plants selected in this scenario are coal gasification
plants without CO2 capture (HG3). These types of plants
cogenerate electricity that is used as part of the oil sands elec-
tricity supply. The only power plant selected by the optimiza-
tion model is a nuclear plant (E11). Although the initial capital
cost involved in building a nuclear plant facility is consider-
ably high, the operating and maintenance costs of these units
are lower than those required by the other types of power
plants. Also, the lifetime of nuclear plants is considerably
large; thus, their initial investment cost can be amortized over
long periods of time. These factors position nuclear plants as
a promising source of power for the oil sands operations.
Therefore, this results support the addition of nuclear power
plants to this energy optimization model since they have a
significant effect on the energy producers’ infrastructure for
the future operation of the oil sands industry.

Updated case 2-2030: Scenario with CO2 constraints

In order to analyze the effect of a CO2 emission target on
the energy producers’ infrastructure, this scenario solved the
updated case 1–2030 under an environmental constraint. At
present, no explicit CO2 capture targets have been set for the
oil sands operations for year 2030. Hence, this scenario was
solved assuming that the CO2 emission constraint equals the
expected GHG emission for 2020,54 i.e., 70 million tonnes
of CO2 equivalent. This value represents 53% of the total

Table 7. Results for the Updated Case 2030

Variables Units

Scenario w/o
CO2 emission

constraint

Scenario with
CO2 emission

constraint

Scenario with CO2

emission constraint
& Nuclear penalty (RAF ¼ 20)

Scenario with CO2

emission constraint &
Nuclear penalty (RAF ¼ 385)

Producers
PSS1 bbl/d 1,000,000 1,000,000 1,000,000 1,000,000
PSS2 bbl/d 0 0 0 0
PSS3 bbl/d 350,000 350,000 350,000 350,000
PSS4 bbl/d 450,000 450,000 450,000 450,000

Total Mined SCO bbl/d 1,800,000 1,800,000 1,800,000 1,800,000
PSI1 bbl/d 200,000 200,000 200,000 200,000
PSI2 bbl/d 600,000 600,000 600,000 600,000
PSI3 bbl/d 200,000 200,000 200,000 200,000

Total SAGD SCO bbl/d 1,000,000 1,000,000 1,000,000 1,000,000
Total SCO Production bbl/d 2,800,000 2,800,000 2,800,000 2,800,000
CBP bbl/d 1,500,000 1,500,000 1,500,000 1,500,000
Energy Costs

Power MM $/yr 537 1,040 1,041 1,057
Process Steam MM $/yr 5,009 5,009 5,009 5,009
Hot Water MM $/yr 1,180 1,180 1,180 1,180
SAGD steam MM $/yr 8,296 8,296 8,296 8,296
Hydrogen MM $/yr 5,650 5,584 5,584 5,584
Process fuel (NG) MM $/yr 571 571 571 571
Diesel MM $/yr 1,736 1,736 1,736 1,736
CO2 Transport MM $/yr – 502 502 502
CO2 Storage MM $/yr – 478 478 478

Total Energy Cost MM $/yr 22,979 24,396 24,397 24,413
Unit costs

SAGD SCO $/bbl 19.44 20.81 20.81 20.82
Mined SCO $/bbl 15.75 17.07 17.07 17.09
SAGD Bitumen $/bbl 9.15 9.23 9.23 9.24
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GHG emissions expected for the oil sands operation for
2030.54

Tables 7 and 8 show the SCO producer’s distribution and
the energy producer’s configuration obtained for the updated
case 2030 with and without an environmental constraint,
respectively. As shown in Table 7, the distribution of the
SCO producers selected by the energy model in this scenario
is the same obtained in the previous scenario (without CO2

constraint). This is because the environmental constraint
only affects the selection in the energy commodity pro-
ducers. Thus, the optimization model focuses on selecting an
energy producers’ configuration that minimizes the total
energy costs and meets the CO2 emission constraint target
specified for this scenario. Following Table 7, the total an-
nual energy cost increased by 6.17% when compared to the
case of no CO2 constraint considered in the calculations.
Similarly, the power costs were significantly increased when
the CO2 constraint was considered in the formulation (almost
100%, see Table 7). This is because the cocapture hydrogen
plants (HG5) selected by the energy model consume more
electricity, and, therefore cogenerate less electricity than
those selected in the previous scenario (HG3). Also, an addi-
tional supply of electricity is required to cover the compres-
sion power demands to transport the captured CO2 via pipe-
line to its underground sequestration site. Therefore, more
electricity must be produced independently by power plants.
To accommodate these electricity demands, two nuclear
power plants (E11) are selected for this scenario (see Table
8). Thus, an additional nuclear power plant to that required
in the previous scenario is needed to meet the CO2 emission
target. This result shows that nuclear power plants are envi-
ronmental friendly electricity producers that will play a key
role in the future operation of the oil sands. Most of the
hydrogen demands are covered by coal gasification plants
with cocapture (see Table 3, HG5). As shown in Table 8, the
distribution of boilers remained unchanged because the pro-
cess steam and hot water are only available via natural gas
fired boilers (B). Although SAGD steam can be produced ei-
ther by boilers (BE) or small-scale nuclear energy facilities
(NFE), the SAGD boilers (BE) were selected because the
current costs of the nuclear facilities considered in this
model are significantly high. The current lack of technologi-
cal developments in small scale nuclear plants is the main
reason for these plants to be costly.54 However, the recent
interest in this type of technology to generate steam will mo-
tivate the development of efficient and economically attrac-
tive small scale nuclear reactors in the near future. CO2

transportation costs (Tc), and underground sequestrations

costs (STc), are generated due to the CO2 captured in hydro-
gen plants (HG5).

Based on the aforementioned, the results show that the
CO2 emission target considered in this scenario can be met
at the expense of a reasonably high economic penalty, i.e., a
1,417 MM $ increase in the total energy cost. Currently,
environmental legislations have been proposed for the imple-
mentation of a CO2 cap-and-trade system in North America.1

This system will force the industrial facilities to maintain
their emissions to the atmosphere under specific levels. The
facilities that may operate under their designated emission
level could use the remaining allowable air emission as a tax
credit that can be sold to other companies. However, those
companies that generate more than the allowed capacity will
be facing economic penalties. Thus, a comprehensive sensi-
tivity analysis on the CO2 emission will be useful to deter-
mine the influence of GHG emission reduction in the oil
sands operations taking into account the proposed environ-
mental legislations. This will allow oil sands operators to
estimate their expected GHG emissions in the upcoming
future and determine the compliance with the emission target
levels according to environmental regulations. Analyses on
the type of energy and oil producers that maintain the oil
operations within a CO2 emission constraint will be useful to
plan and schedule the technologies that will be mostly used
by this industry in the future. Moreover, the financial burden
associated with decreasing CO2 emission using carbon cap-
ture and storage system or complying with the economic
penalties can be assessed.

Updated Case 3-2030: Scenario with CO2 constraints
and nuclear external penalty costs

A key aspect in the use of nuclear energy for power gen-
eration is related to the social, political and environmental
impacts associated with the installation and operation of a
nuclear power plant. Thus, the goal for this scenario is to
account for the environmental CO2 emission constraint and a
penalty cost factor that accounts for environmental and
social implications of a nuclear accident. To account for the
latter, the RAF factor, which represents an individual-risk
perception parameter in Eq. 1, was defined as an input value
different than zero. The RAF factor was obtained from the
literature26 according to a hypothetical reference French nu-
clear accident scenario reported in a previous study.64 In the
case of a nuclear accident; individuals experienced both, a
high probability of no loss and a very small probability of
great loss.26 To account for both aspects, this case study
considers two individual-risk perception parameters (RAF): a

Table 8. Energy Commodity Producers’ Infrastructure for the Updated Case 2030

Energy Producers

Scenario w/o CO2 emission
constraint

Scenario with CO2

emission constraint

Scenario with CO2

emission constraint &
Nuclear penalty

(both RAF ¼ 20 & 385)

Units Capacity Units Capacity Units Capacity

Nuclear Plant EPR-1600 (E11) 1 1,146,700 kW 2 868,040 kW 2 868,040 kW
Gasification w/o CO2 capture (HG3) 16 26.05 tonne/h 1 21.49 tonne/h 1 21.49 tonne/h

63,643.75 kW 52,497.87 kW 52,497.87 Kw
Gasification with co-capture (HG5) – – 15 26.36 tonne/h 15 26.36 tonne/h

28,753.33 kW 28,753.33 kW
NG process steam boiler (B) 53 274.82 tonne/h 53 274.82 tonne/h 53 274.82 tonne/h
NG SAGD steam boiler (BE) 119 337.80 tonne/h 119 337.80 tonne/h 119 337.80 tonne/h
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baseline value of 20 and a maximum value of 385, which
are indicators of high probability of no loss and a very small
probability of great loss, respectively.26 Similarly, the total
cost of the nuclear accident CNA was set to 20,388 MM $
and the probability of occurrence of the nuclear accident
PNA was set to 1e-6 (per reactor per year) according to in-
formation reported for the hypothetical reference French nu-
clear accident scenario.26 The remaining inputs to the energy
optimization model were the same to that used in the
updated case 2-2030, e.g., the CO2 emission target remained
unchanged on 70 million tonnes of CO2 equivalent/year and
the oil and energy commodity producers were the same used
in the previous scenario (see Tables 1 and 3).

Table 7 shows the results obtained for this scenario. As
shown in this Table, the distribution of SCO production of
the oil producers remain unchanged with respect to the
updated case 2-2030. Similarly, Table 8 shows that the
energy producers’ infrastructure also remained unchanged
with respect to the previous scenario. In addition, the CO2

target emission was met at the optimal solution for this sce-
nario. On the other hand, the power production costs
increased by $ 1 million and $17 million when the RAF fac-
tor was set to 20 and 385, respectively. When RAF was set
to 20, the power production costs increased represent 0.1%
and 4.1e-3% of the total power costs and the total energy
cost reported by the model. Likewise, the power production
costs increased by 1.6% and 7.0e-2% of the total power
cost, and the total energy cost when RAF was set to 385,
respectively. These results show the penalty factors consid-
ered for this scenario do not represent a significant financial
burden to the operation given the assumed low probability
associated with the occurrence of a nuclear accident (1e-6/
reactor/yr). Therefore, the consideration of an economic pen-
alty associated with the environmental and social aspects of
using nuclear energy does not modify the optimal configura-
tion of oil and energy commodity producers for this CO2

constraint scenario. However, these results were obtained
based on a hypothetical French nuclear accident scenario.64

At present, information regarding a hypothetical Canadian
nuclear accident scenario is not currently available. Thus,
the results presented in this work will be updated when data
associated with a hypothetical nuclear accident scenario is
assessed based on Canadian native factors, .i.e., local and re-
gional population, economic activities that could be affected
and possible economic losses by the industrial sector due to
this hypothetical nuclear accident.

Conclusions

A comprehensive integrated energy model that includes
nuclear power and water management has been developed to
describe the Canadian oil sands operations in the upcoming
years. This energy optimization model selects the most suita-
ble combination of SCO and commodity producers’ configu-
ration that minimizes the annual operating energy costs of
the oil sands industry. The proposed energy model was vali-
dated using information reported in a previous study for the
2030 projected operations. Results showed that this inte-
grated approach returns energy producers and energy com-
modities configurations that are more economically attractive
than those reported in a previous study. The proposed energy
model was also used to determine the 2030 oil sands opera-
tions using recent estimates in the SCO and crude bitumen
productions. Nuclear plants and water management were

explicitly included in the calculations. The results show that
the SCO producers that involve hydrocracking in their
upgrading routes (R1-R2) are more likely to be selected.
Hydrogen can be produced via coal gasification plants
(HG3-HG5), which use coal as feedstock (cheap fuel) and
additionally cogenerate electricity. These characteristics
make coal gasification plants energy efficient and economi-
cally attractive.

Moreover, PSS1 and PSI2 are the most suitable SCO pro-
ducers because they use energy more efficiently and their
SCO conversion rates are considered high. PSS1 can be con-
sidered as the leading SCO producer in the future because it
includes an integrated mining/upgrading producer which is
an economically attractive extraction method. Furthermore,
the total annual energy cost increased by 6.7% when a CO2

emission target was considered in the energy model’s formu-
lation. This result shows the economic penalty that needs to
be considered to reduce the CO2 emissions. Also, when an
individual-risk perception factor was included to account for
the social and environmental external costs of nuclear power
for the CO2 constraint scenarios, the associated economic
penalty was not significant compared to the magnitude of
the total annual energy production cost. The results provided
in this work demonstrate that this energy optimization model
can be used as a tool to study future production scenarios
for the oil sands operations, i.e., energy commodity costs,
CO2 capture costs, and GHG emissions for a specific year.
Moreover, the model can also be employed for planning and
scheduling of the future configuration of the oil producers
and the commodity producers in the Canadian oil sands.

This energy model considers that the model parameters
are known a priori, i.e., a deterministic model. A more real-
istic approach may consider the addition of uncertainty in
those model parameters that have a direct effect on the oil
sands operation, e.g., natural gas price, coal price, CO2

emission level, steam to oil ratio (SOR). For example a more
realistic scenario for the oil sands operation considers the
definition of the natural gas price (FNG) as a parameter that
follows a user-defined probability distribution, e.g., a normal
probability distribution with specific mean and standard devi-
ation values. Accordingly, the proposed energy deterministic
model will be transformed into a stochastic energy model.
The resulting stochastic model will be useful because it will
determine the most likely configurations that are expected
for the oil sands operation given probability distributions for
the key input parameters, e.g., natural gas price. Accord-
ingly, the operators will have more tools to plan and sched-
ule their future activities and evaluate financial risks.
Accordingly, the authors are currently working in the devel-
opment of a stochastic model that describes the operations
of the oil sand industry. Additionally, alternative renewable
energy sources such as wind, solar and biomass for energy
commodity production in the oil sands will be considered in
future works.
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